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EXECUTIVE SUMMARY
This report explores the ability of distributed generation (DG) options to provide costeffective alternatives to central station generation, transmission, and distribution upgrades for alleviating transmission and distribution congestion. The need for this study was driven by three major factors:
1. DOE's DG program, while quite successful in showing the value of DG in large portions of the United States, has been less successful in the Southeast, likely because of the low energy prices, high excess electrical capacity, and lack of electricity deregulation in the region. 2. Lack of DG-related analysis that uses real world data on specific sites that can be used as good indicators of the issues and benefits of DG. 3. Interest on behalf of DOE in analysis in two southern states that can be used to show the value of DG to several key Congressional officials from the states.
To demonstrate this ability for constrained sites in systems in the states of Florida and Mississippi, the Electricity Asset Evaluation Model (EAEM) is used to assess the costs and benefits of installing DG options to reduce load in areas with transmission congestion versus upgrading the transmission and distribution (T&D) systems. 1 The Florida case is a cooperative-wide study in which the participating generation and transmission (G&T) and distribution cooperatives have identified an area currently experiencing power flows near transmission line limits. Given projected load increases for the area over the 2002 -2006 period, some action is required to prevent electricity supply shortages in the area as the projected loads increase beyond the transmission line limits.
The Mississippi case considers a part of the system in which supply from central station generating units in the study area would be limited by transmission congestion.
For both sites, the EAEM is used to evaluate the system effects over the study 's 2002 -2006 timeframe of considering DG options. Given estimated load requirements for 2002 -2006 , the model determines the best mix of central generation, DG, transmission, and distribution additions to minimize the costs of meeting those load requirements. The costs include both the capital costs of the investments and expected production costs based on generating unit dispatch and power flows. Appendix A discusses the EAEM in greater detail.
To determine the potential costs and benefits of the DG options for alleviating transmission congestion in each case, the model is run with scenarios that include DG alternatives as power supply options as well as a scenario that does not include DG alternatives. Costs for the DG scenarios include the capital and production costs of the DG units and any increases in unserved energy costs that result from installing and operating the DG options. 1 The systems analyzed in this study are typical systems based on information from utilities and cooperative systems in Mississippi and Florida. The study is an illustrative first step based on available information and simplified system representations that do not include, for example, reactive power flows and outage contingencies; they would be included in an analysis in the next step. Benefits of DG are the avoided costs (or cost savings) of the DG scenarios -as compared to the no DG scenario -of reduced central production and capital costs, and any decreases in unserved energy costs that result from installing and operating the DG options.
The analysis results show that, while the distribution line between the central system and the local site in the Mississippi case has adequate capacity, it is connected to a constrained central system loop. The value of DG in Mississippi is based on its ability to alter power flows -consequently reducing congestion in the loop and allowing more production from less expensive units -and to offset expensive central system peak generation. The DG capacity added to the Mississippi system (5.2 MW) is less than the peak loads of the area in which it is installed, and it is installed as a single unit.
For the Mississippi case, the most cost-effective option was one in which DG was added in combination with a subset of potential central station generation and transmission upgrades. 2 . Table 1 For the Florida system, the transmission constraint occurs on a distribution line between the distribution and G&T cooperatives that is overloaded during peak load periods. The analysis results show that the value of DG in Florida is based strictly on its ability to meet projected peak loads and avoid unserved energy. The DG units added to the Florida system range from 0.1 to 2 MW, and totaled 5.1 MW. These units are added incrementally over three years to add just enough capacity to meet the peak load in each of those three years.
Since transmission upgrade information was not yet gathered by the Florida co-ops, and therefore was not available for comparison purposes, the analysis focused on expected costs of DG alternatives to determine a break-even cost for a transmission upgrade. Table  2 summarizes the net present value change in costs resulting from the addition of DG over the 2002 -2006 study period for the Florida system. The net cost of $823,000 represents the breakeven cost of installing T&D upgrades at the site. In other words, if the cost of T&D upgrades to relieve constraints at the site is more than $823,000 (net present value over the 2002-2006 period), installing DG alone or in combination with other T&D system upgrades would be more cost effective. 4 The "T&D Upgrades Options" scenario includes central generation capacity and T&D upgrade options; the "T&D/DG Options" scenario includes central generation capacity, T&D upgrade and DG options. For each category (e.g., Central Prod. Costs) in the The results of this study suggest that DGs could have a role in relieving congestion in the two T&D systems analyzed, and that they should be considered simultaneously with central station generation, transmission and distribution upgrade alternatives when addressing future T&D congestion concerns. The study, however, is just a first step in understanding the role of DGs in the overall scheme of transmission congestion and energy supply. The limited scope of the study does not quantify several issues or sensitivities that may be important in determining the value of DG.
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As Table 3 shows, consideration of most of these issues will act to further increase the value of DG. All of the issues summarized in the Table that show positive effects on the value of DG should be cumulative. However, not all assumptions used in this study reduce the value of DG. Back-up, interconnection and other charges that may be incurred at the two sites studied would add costs to, and therefore lessen the value of DG. 7 However, the results provide adequate evidence that the benefits of adding DG will reduce costs and that DG should therefore be considered in more detailed, site-specific engineering and costing that normally would follow a planning/screening study such as this. Neither scenario includes central generation capacity options. The "T&D Upgrades" scenario includes the break-even cost for a T&D upgrade, and the "DG Options" scenario includes costs for optimal DG alternatives. 6 Some assumptions that were necessary due to limited data availability may also underestimate the value of DG as summarized in this report. For the Mississippi system, these assumptions include deterministic generator availabilities and simplified load projection estimates. For the Florida system, in addition to deterministic generator availabilities and simplified load projection estimates, details of the transmission system were not available, so the effects of power flow constraints on generator dispatch were not considered. 7 While quantifying and including in the model all of the qualitative effects in Table 3 would likely alter the magnitude of the costs and benefits calculated in this study, the relative value of DG compared to T&D upgrades determined in this study would be expected to remain positive. 8 A "+" sign in the "Effect on DG" column indicates non-negative benefits; similarly, a "−" sign indicates non-positive benefits. 9 Modeling the central system as a single area (Section 4.6); including only peak and baseload periods in load profile (Section 4.6); modeling generating unit availability as expected capacities (footnote 17). Some DG technologies, in particular new renewables and fuel cells, receive tax and other financial and regulatory incentives at the federal, and in some cases, state and local levels. These incentives effectively reduce the costs of using the technologies. Since these factors are not considered in the analysis, the value of these options is underestimated. The incentives that are currently available are summarized in Appendix B.
Many of the DG technologies analyzed are advantageous from an environmental perspective when compared against the central station options they would displace. For example, the renewable energy technologies emit no air pollution. The avoidance of air and other pollution has economic value that is not considered in this analysis. This factor also underestimates the value of DG.
Energy security benefits arise from reduced reliance on the transmission and distribution system, and the dispersed nature of DG. Generating small amounts of electricity at many sites reduces the vulnerability to large electricity disruptions that could be caused by terrorist activities or equipment outages. In addition, many of the DG technologies are not dependent upon the availability of fossil fuels that would have to be delivered to the site.
Other potential DG benefits not included in this report that would increase the value of DG include power quality improvement, peak demand support, energy management, and grid/VAR support. However, some important costs of using DG are not included in the calculations summarized in this report. Interconnection fees, electric power back-up charges, and other fees levied by utilities on DG systems would reduce the value of DG.
The remainder of this report is organized as follows. In Section 1, background information is provided on selection of the sites and on the sites themselves. In Section 2 the modeling framework and DG mitigation options are presented.
Sections 3 and 4 describe the constraints and central capacity mitigation options and the benefits and costs of DG options for the Mississippi and Florida sites, respectively. Section 5 discusses implications and potential of the EAEM for other applications.
INTRODUCTION
Introduction of competition in wholesale power supply has placed constraints on transmission and distribution (T&D) systems that did not exist in the past. The electricity price and supply problems that have been prevalent in California and other states are expected to spread further in the future. Even those states not undergoing deregulation or a complete transition to competitive power markets are vulnerable to price increases and supply constraints as site specific issues may exist. Some of the more important issues include:
• Public resistance to new construction of power plants/transmission lines ("not-inmy-back yard" -NIMBY),
• Environmental restrictions limiting (or precluding) new emission sources,
• Transmission bottlenecks,
• Inadequate distribution systems due to age/configuration relative to location (or rate) of economic activity, and
• Terrorist activities or other unforeseen equipment outages.
Distributed energy resources (DERs) are one means of addressing localized electricity supply problems. DER options include, among others:
• Renewable resources -biopower, photovoltaic systems, wind turbines, geothermal;
• Natural gas turbines, fuel cells and reciprocating engines;
• Natural gas-renewable hybrids;
• Demand-side measures; and • Storage technologies.
Although there is general recognition that DERs can play a potential role in meeting future power supply needs -e.g., power quality improvement, peak demand support, energy management, grid/VAR support, environmental compliance -many stakeholders are not convinced of the benefit of pursuing this strategic supply option or of its technological/economic readiness. In addition, DERs, if improperly located, sized or operated, can create T&D problems.
As a result, the Department of Energy has launched a DER Initiative. The strategy is intended to mobilize a program of research, development & demonstration (RD&D) coupled with systems analyses, integration, and institutional, regulatory and outreach initiatives in collaboration with industry, federal, state and local regulators, and other stakeholders. An early step is to understand the benefits/costs and applicability of DER to resolve T&D congestion, and the transferability of the DER option to different geographic sites and operational conditions. This is but one part of the analysis that must be completed to ultimately determine whether DG systems could or should be sited at a particular location. For example, analysis of each of the site-specific issues identified above may need to be analyzed. 12 However, this screening analysis gives confidence that DG should be considered along side of, and in combination with other options to minimize costs of ensuring reliable electricity supply in the regions analyzed.
The States of Florida and Mississippi were selected as the regions of focus for this case study because: (1) they are dominated by large, regulated utilities that may not have the incentive, culture, experience, resources or tools to fully consider DG options, (2) electric utility deregulation is progressing very slowly, and as a result, may not be available to fully open competition for DG projects, and (3) DG is advancing slowly as compared with some other regions of the country. As a result, if the analysis shows that DG offers potential advantages over other options normally considered by utilities in these states, it may influence the utilities in these states to give DG more consideration in the future.
For the Florida system, the cooperative identified a site where power flows are near line capacity limits, and loads are expected to increase in the near future. While the cooperative has begun to examine this problem, it has not proposed any concrete solutions. Thus, this study identifies the most cost-effective DG options and determines a break-even cost for a transmission upgrade based on the DG costs. For the Mississippi system, the EAEM was used to identify the site with the highest expected marginal costs ($/MW) over the planning horizon and to compare the DG options to transmission upgrade options to determine if DGs would be a viable and economic alternative.
13 10 The systems are based on information provided by utilities and cooperatives in Florida and Mississippi. 11 The central system is assumed to include all generating units, T&D lines, and load buses with the exception of the congested site. Central generating asset additions are distinguished from DG options by their size (several hundred MWs, in this case, vs. ten or fewer for DG) and location. For this study, DG options are considered only for the selected site. 12 The EAEM is an expansion planning model designed as an initial screening tool to identify constrained sites within a larger geographic area and determine if DG has positive value at these sites. With additional resources, this study could be expanded to include quantitatively the qualitative issues presented in Table 3 . More detailed studies focused on the smaller geographic area of the identified sites (e.g., reactive power studies) would be appropriate prior to DG installation. 13 Since the marginal costs represent the potential savings of reducing the site's load, the site with the highest expected marginal costs is selected as the site that would benefit most from a load reduction. The remainder of this report presents the modeling framework and DG mitigation options for the studies (Section 2), describes the constraints, central mitigation options and DG costs and benefits at each site (Section 3 and 4), and discusses implications and potential for other applications (Section 5). The appendices present study challenges, modeling assumptions, and summaries of the model and the analysis methodologies.
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MODELING FRAMEWORK AND DG MITIGATION OPTIONS
The objective of the model is to determine asset additions that will minimize total system capital and production costs over the five-year study time period.
14 In some cases, costs will be minimized by adding generating or T&D capacity. For example, if energy from the marginal peaking unit is very costly or T&D constraints limit power flows from less expensive units, it may be more cost effective to add new, cheaper capacity. The decision of whether or not to add new capacity involves two questions:
• Where should new assets be installed to minimize overall costs? • When should new assets be installed to minimize overall costs?
Due to the interconnectedness of the system over space and time, to actually minimize overall costs these two questions need to be answered simultaneously. An asset added to alleviate a constraint in one area of the system may alter power flows in such a way as to affect generation of another unit in a different area of the system. The same is true over time. An asset added to alleviate a constraint in one time period may affect generation of a different unit in another time period. This example extends further across areas and time periods. An asset added to alleviate a constraint in one area in one time period may affect generation in another area in another time period.
The comprehensive modeling framework of the EAEM provides a means to predict and track the changes in production and power flows caused by asset additions. Since it simultaneously determines generating unit dispatch and power flows over the whole system for the entire planning period, the EAEM inherently recognizes the effects of asset additions across time and space, and considers them in its optimization.
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The "effects of asset additions across time and space" are reflected in each area's marginal cost in each time period.
The marginal cost ($/MW) for each bus during each load period represents the cost of meeting additional load at that bus during that load period. If there are no transmission constraints, then the resulting generation pattern is least-cost dispatch. With least-cost dispatch, the lowest cost unit will generate to its capacity, then the next cheapest unit and so on, until the load at every bus has been met. The plant that meets the last MW of demand (i.e., the unit currently operating with the highest production cost) is the marginal plant. In the absence of transmission constraints, this is the plant that would generate an 14 The investments are amortized over 20 to 30 year time periods, but only the costs that occur in the fiveyear study period are considered. 15 Other methods are valuable for targeting opportunities in existing systems, but unlike the EAEM, were not designed to optimize operation of the entire system for long-term expansion planning (see e. extra MW demanded at any bus. Thus, the marginal cost at all buses equals the production cost of the marginal plant. 16 In the presence of transmission congestion, however, the constraints may prevent power generated at the cheapest available plant (i.e., not already operating at capacity) from reaching the bus with the additional MW demand. Thus, the cost of meeting an extra MW of demand can vary by bus. Therefore, differences in bus marginal costs indicate the presence of transmission constraints -and identify sites for potential DG applications.
Once the potential sites for DG applications have been identified, the model evaluates the cost-effectiveness of the DG options versus traditional T&D and central station upgrades. In conducting this evaluation, the model again determines generating unit dispatch and power flows over the whole system for the entire planning period; in this case, however, it includes DGs when determining which assets minimize overall system capital and production costs. 
MITIGATION OPTIONS
Central station generation, DG, and T&D enhancements are all options for relieving T&D congestion. Strategically located central generating units can alleviate congestion by reducing generation by units on congested parts of the system. DGs can be sited to reduce loads on constrained segments of the T&D system. Upgrades to the T&D system can increase permissible power flows in congested areas. Congestion, however, typically occurs during a small number of hours per year; thus upgraded T&D capacity is not usually needed during the bulk of the year. Generating units, on the other hand, while installed primarily to relieve peak load congestion, can be used throughout the rest of the year to offset generation from more expensive units. Table 4 contains the DG mitigation options considered for this study. These options include microturbines, fuel cells, combustion turbines, photovoltaics and generic peak and baseload DG units from EIA NEMS.
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Sections 3 and 4 discuss central system mitigation options for each site. 16 This is not strictly true if new units can be built, because if a new unit is the marginal plant, then the marginal cost includes a capacity component as well as energy. 17 The model identifies a general area for DG installation, not a specific location on the distribution line, which would be determined in a detailed site analysis. 18 Generic DG peaking units are basically an average of microturbines, gas-fired combustion turbines, and three types of reciprocating engines; generic DG baseload units are assumed to be a mix of heavy-duty microturbines, combustion turbines, engines, and fuel cells 
MISSISSIPPI SITE CONSTRAINTS, MITIGATION OPTIONS AND DG COSTS AND BENEFITS
INTRODUCTION
For the Mississippi system, the EAEM is used to identify the most constrained site over the planning horizon, and to compare the DG options in Table 4 to transmission upgrade alternatives to determine if DGs might be a viable and economic alternative. This section describes the Mississippi system and its transmission constraint, and discusses mitigation options.
SYSTEM DESCRIPTION
The Mississippi system operates several plants throughout the transmission system, with units ranging in capacity from 16 to 200MW and using a mix of fuels including coal, natural gas, and oil. Appendix C contains transmission line capacity and generating unit operating information.
System peak loads are projected to increase by approximately one percent per year through 2006, and annual system energy growth rates are projected to be greater than four percent over the same period. Peak and annual energy growth projections by bus were not available. Appendix C presents the assumptions and methodology for estimating bus loads from the available data.
Generation capacity additions assumed for the study over the 2002 -2006 time period include 200 MW from natural gas-fired units; transmission upgrade alternatives assumed include new lines, rebuilt lines, and uprated lines.
TRANSMISSION AND DISTRIBUTION CONSTRAINTS
As Section 2 discusses, potential T&D constraints are found by identifying the bus with the highest expected marginal costs. This is done in the first part of the modeling process, in which the EAEM is run as a production-costing model. As a production-costing model, the existing units are dispatchedsubject to transmission constraintsto meet forecasted load for the study timeframe, without the addition of new infrastructure. If transmission congestion exists, bus marginal costs will vary throughout the system. The bus with the highest marginal cost for the study period is the most constrained site.
Using the highest marginal cost criterion, the EAEM identified a constrained site in the Mississippi system. The projected 2002 loads fed from this site range from an offpeak load of 2 MW to a peak load of 6 MW. These are not the highest loads in the system, yet the high marginal costs at this site indicate that reducing them can produce the greatest cost benefit to the system. The T&D constraints that cause marginal cost variations are not only thermal line limits (i.e., upper bounds on MWs) but also parallel path or loop flow constraints. In the case of loop flow, power flows on all lines connected in a loop affect the power that can flow on all other lines in the loop. This is the nature of the constraint at the selected site. The local line from the loop to the load site has adequate capacity, but constraints on flow around the loop restrict power flow from the loop to the local line. In this analysis (given generating unit availability and load assumptions), these constraints result in unserved load at this site during all of the study load periods. 
MITIGATION OPTIONS
In addition to assumed generating unit installations between 2002 and 2006, several transmission upgrade alternatives are evaluated. These upgrade alternatives include adding new lines, rebuilding lines, and uprating lines; they range in cost from $50,000 to nearly $4 million.
MODELING APPROACH
To assess the benefits and costs of DG systems to help address the Mississippi site transmission constraints, the following steps were taken in this study:
1) Congestion points were identified by running the EAEM with the existing T&D system, existing central station generation capacity and assumed capacity installations, and projected loads. Results indicated that increasing generation capacity with the existing T&D system would lead to T&D congestion and spatially-varying marginal costs. The highest marginal cost site became the site for potential DG installation.
2) The EAEM was run for the following scenarios: a) As in 1), but all assumed T&D upgrades were included to determine the costs of meeting projected loads with existing and planned central station generation capacity and assumed T&D upgradeswith no DG options. b) As in 1), but T&D upgrade options and DG options were included. This scenario provides the most cost-effective assortment of DG/T&D options. Comparing the costs of this scenario to those of scenario a) indicates the value of considering all resources simultaneously. 21 Generating unit availabilities were modeled as expected capacities, which has been demonstrated to produce a lower bound on expected costs, thus underestimating DG benefits. Different load assumptions could increase or decrease the value of DG, depending on the locations and load periods of the altered loads. Figure 1 shows the overall expected capital and production costs of meeting the projected Mississippi system load for the scenarios described in (a) and (b) above. Column one represents costs for scenario (a). This scenario, which includes central transmission and generation capacity options but does not include DG options, presents the highest cost solution.
BENEFIT/COST ANALYSIS FOR THE MISSISSIPPI SITE
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Column two in Figure 1 
FLORIDA SITE CONSTRAINTS AND MITIGATION OPTIONS
INTRODUCTION
For the Florida system, the cooperative identified a site where power flows are near line capacity limits, and loads are expected to increase in the near future. While the cooperative has begun to examine this problem, it has not proposed any concrete solutions. Thus, this study identifies the most cost-effective DG options and uses the costs of the DG solution to determine the break-even cost for a transmission upgrade mitigation option. This section describes the Florida system and its transmission constraint, and explains how the cost of a transmission upgrade mitigation option was determined.
SYSTEM DESCRIPTION
The Florida site is an area within a distribution cooperative that serves retail load. The distribution cooperative operates under a long-term contract to receive wholesale electricity from a generation and transmission (G&T) cooperative. The distribution cooperative has no baseload generation of its own, but does operate several DG peak-shaving units throughout its system.
The G&T cooperative is a wholesale cooperative that provides full requirements to its distribution system members using a mixture of owned and purchased capacity resources.
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It is obligated to serve all load up to specified capacity commitment levels and to provide adequate reserves, relying on partial requirement providers and spot market purchases to serve any load above the capacity commitment levels.
25
The G&T cooperative has eight power supply contracts in effect during the 2002-2006 study period.
Distribution system members are served from the G&T cooperative's own transmission system and from the transmission systems of two other utilities. The G&T cooperative purchases network transmission service from these two utilities under long-term contracts. 
TRANSMISSION AND DISTRIBUTION CONSTRAINTS
The constrained site for this study is served from a 69 kV corridor that is experiencing overload problems, with one section in particular loaded near its limit. Additionally, projected peak loads for this area are greater than the line ratings of its distribution line. The 69 kV corridor crosses the boundary between two utilities, one of which provides transmission services to all of the transmission level delivery points of the distribution system in this study. To address this joint problem, the two utilities and the distribution cooperative have assembled a group to examine possible solutions for the overloaded corridor, but no solutions have been proposed at this point.
MITIGATION OPTIONS
Because transmission system improvements are so site-specific, and no particular upgrades have been proposed, the break-even costs of a generic transmission upgrade are determined instead. The break-even cost of the generic transmission upgrade is the cost at which the cooperative would be indifferent between improving transmission capacity and installing DGs. This cost is the difference between the overall costs of the scenario that includes the most cost-effective DG options and the overall costs of the scenario that includes the transmission upgrade at no cost. If the cost of the transmission upgrade is greater than the cost difference, the DG options are the better value, whereas the transmission upgrade is the better value if its costs are less than the cost difference between the two scenarios.
MODELING FRAMEWORK
For the Florida study, the objective of the model is to determine the value of DG alternatives in postponing or eliminating the need for a transmission upgrade between the central system and a local distribution area. With projected loads for the area exceeding the capacity of the distribution line, congestion is foreseen but upgrade alternatives have not yet been proposed. The distribution area loads are currently served exclusively from the central system, with the exception of a few peak-shaving units. With a distribution upgrade, all of the distribution area load could continue to be met with power generation from the central system if it is economical to do so. For this study, central system generation includes generating units the central G&T cooperative owns and contracts it has to dispatch units belonging to other utilities and independent power producers.
Since actual transmission upgrade cost estimates were not available, the model was run with DG options alone to determine the most cost-effective DG alternatives and the break- 
BENEFIT/COST ANALYSIS FOR THE FLORIDA SITE
In the no transmission upgrade case, three different DG options are selected: (1) In the transmission upgrade case, the transmission upgrade is added at no cost, resulting in all of the distribution area's load being served by central generating units; no DG options are selected. The cost of this case is subtracted from the cost of the DG case, with the difference being the break-even cost for the transmission upgrade, as is shown in Figure 3 . • The central (G&T) system was modeled as a single area. Thus, all transmission constraints other than the one between the G&T cooperative and the distribution area were not considered. Including the effects of central system transmission constraints could only have increased the costs of supplying power to the distribution area from the central system, making DG options more attractive.
• The load profile included only peak and baseload load periods. Dividing the loads into a greater number of load periods may have resulted in more hours with loads in excess of the distribution line capacity, since some of those loads were averaged into the low load/large number of hours baseload period. Unless the cost of centrally-supplied power for those same load periods decreased, this would have increased the cost-effectiveness of DG options by allowing the fixed DG costs to be shared over more hours. The additional load may also have made possible the addition of a larger, cheaper (per MW) DG unit. 
IMPLICATIONS AND POTENTIAL FOR OTHER SITE APPLICATIONS
The study results for the Mississippi system suggest that DG options could be competitive with central transmission capacity options if they are evaluated simultaneously. For the Florida system, which has not yet addressed its transmission constraint, results of the study indicate a break-even cost for a transmission upgrade, and the most cost-effective DG options if the transmission upgrade is greater than this cost. For both states, however, the study is just a first step in understanding the role of DGs in the overall scheme of transmission congestion and energy supply. The limited scope of the study does not include several issues that are potentially important in determining the value of DG (e.g., renewable energy tax credits and environmental improvements). Additionally, several assumptions that were necessary due to the lack of availability of some data could have caused DG values to be underestimated, especially in Florida.
For the Florida system, the transmission constraint occurs on a distribution line between the distribution and G&T cooperatives that is overloaded during peak load periods. The value of DG in Florida is based strictly on its ability to meet projected peak loads and avoid unserved energy. The DG units added to the Florida system range from 0.1 to 2 MW, and totaled 5.1 MW. These units are added incrementally over three years to add just enough capacity to meet the peak load in each of those three years.
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In contrast, the distribution line between the central system and the local site in the Mississippi study has adequate capacity, but is connected to a constrained central system loop. The value of DG in Mississippi is based on its ability to alter power flowsconsequently reducing congestion in the loop and allowing more production from less expensive units -and to offset expensive central system peak generation. The DG capacity added to the Mississippi system (5.2 MW) is less than the peak loads of the area in which it is installed, and it is installed as a single unit.
While the DG option costs are the same for both studies, and nearly the same amount of total capacity is added in each, the DG solutions are quite different. For the Florida system, smaller amounts of DG capacity are added incrementally as needed to meet peak loads. In Mississippi, one larger DG unit is added to relieve congestion in connected transmission lines and to offset expensive peak generation. Both of these local area solutions are determined in the context of the operation of their overall systems, and based on expected costs throughout the systems.
Because of the site-specific nature of the costs and benefits that are compared to determine the value of DG to a particular system, the specific costs and recommendations of this study cannot be applied directly to other systems. The analysis methodology, however, can be applied to any system for which expected load and system characteristics are available. Spatially-varying marginal costs in any system are an indication of transmission constraints for which DG alternatives may be a solution. DG options should be evaluated
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Energy Resources International, Inc. simultaneously with central capacity upgrade options to alleviate transmission constraints, especially if the system has other issues that may increase the value of DG. These issues may include:
high-cost peak generation, large transmission losses, environmental concerns, and low reserve margins. If quantifiable, all of these issues can be addressed in an analysis using a model like the EAEM. The next step in better understanding the role of DGs is to further refine their costs and, in particular, their benefits. Including, for example, tax credits and environmental benefits, would provide a more accurate assessment of the benefits of DG. The accuracy of DG benefits could be further increased with better estimates of avoided central system costs, which would be possible given better representations of loads and transmission system. Finally, many challenges were encountered in conducting this study. They provide valuable insights for considering new policies and practices that could be considered in a DER strategy. These challenges are summarized in Appendix E. 
APPENDIX A MODEL SUMMARY
The EAEM consists of three models that exchange investment, power demand, and avoided cost information to determine which assets to add -and where and when to add them -to minimize overall expansion costs.
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Local investment and production decisions are made by a local mixed integer linear program. Central system investment decisions are made by a linear program, and production costs are estimated by a stochastic multi-area production costing model with Kirchhoff's voltage and current law constraints. In the outer decomposition, the local planning area investment and dispatch model (LPAM) determine transmission flows between the central and local areas. The central system market or planning model (CSM/P) responds with the total central system costs given these power flows, plus the marginal central system cost at each location in each load period.
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This information is used in the Benders' cut constraint of the LPAM to approximate the effect on central system costs of alterations in transmission flows between central and local areas. A Benders' cut constraint is added to the LPAM at each outer decomposition iteration, and iteration between the LPAM and CSM/P continues until convergence (i.e., within a given tolerance) to the minimum overall cost.
The central system investment model (CSI) in the inner decomposition determines central generation and transmission assets. The central system operation model (CSO) responds with the central system operating costs given the assets from the CSI (and the power flows from the LPAM). The CSO also calculates the short-run marginal cost for all generation and transmission assets in each load period. The CSO information is used in the CSI Benders' cut constraint to approximate how central system operating costs would change if generation and transmission assets were altered. Benders' cut constraints are added to the CSI at each inner decomposition iteration; CSI/CSO iteration continues until convergence to the minimum central system cost. At this point, the CSM/P feeds this cost and the marginal central system costs for each location in each load period back to the LPAM.
A unique feature of the Benders coordination scheme used here is that marginal cost information from previous iterations is saved. This method of nested decomposition and coordination guarantees correct marginal costs and model convergence under certain mild conditions that are satisfied by the EAEM models. The tax incentives available to the private sector for installing renewable energy systems include:
(1) 10% investment tax credit (2) 15% business renewable energy investment tax credit (3) 40% residential tax credit (4) 5-year accelerated depreciation schedule.
Florida specific
Florida residents, developers, government agencies, utilities, and other businesses installing photovoltaic (PV) systems connected to their local utility may qualify for the Florida Solar Energy Center's (FSEC) PV rebate. The program is funded at $525,000 by
Rebates of $4 per watt are available based on the total system output using the manufacturer or FSEC rating. All systems must have an output of at least 1 kW. Residential applicants can qualify for a maximum rebate of $16,000. Additional rebates of $2,000 are available to builders and developers installing systems on model homes. Commercial applicants can qualify for a maximum rebate of $40,000.
In addition, purchase of PV systems is exempt from the state's 6% sales tax. 
Model Configuration
The model is a linear programming model consisting of a cost minimization objective function and the following constraints: load balance for each node, system reserve margin, "loop flow"' constraints for voltage loops in the system, and upper bounds on generation and power flow for each generating unit and transmission line, respectively. The model is a version of the EAEM, modified to fit the available data.
Constraints:
Load balance -these constraints state that the load at any bus (minus any unserved load) is met by a combination of generation at the bus plus net power flows into the bus. The model contains one load balance constraint for each bus, in each load period for the study years (2002 -2006) .
For this study, seven load periods were defined for each year, from 2002 -2006, for a total of 35 load periods.
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The sum of the hours in all load periods for one year is 8760. Each of the buses in the system has a projected load for each load period. The following load data were used to estimate loads for the load balance constraints. 33 The fuel prices are typical for utilities in the state of Mississippi. 34 The assumed cost of unserved energy is not typical for utilities in the state of Mississippi, and is much higher than the cost used by the utilities in their own planning. The high cost is intended to rule out unserved energy as a viable alternative to DG or T&D upgrades; market purchases at less than $1940/MWh could also reduce expected unserved energy. 35 The monthly projected peak system load and energy growth rates (4), were applied evenly to the 1999 monthly peak bus loads (2) and 1999 monthly bus energy values (3) to determine monthly bus peaks and energy values for [2002] [2003] [2004] [2005] [2006] . These values were applied to the 35 load periods described below to estimate the 5285 loads.
To create the load periods, the 8760 system hourly loads for 1999 were separated according to the 22 load segments defined by the EIA. The EIA has nine load group classifications based on month and hours of the day: summer daytime, summer morning/evening, summer night, winter daytime, winter morning/evening, winter night, fall/spring daytime, fall/spring morning/evening, fall/spring night.
Within each load group, the EIA methodology then separates loads by magnitude into three load segments (summer daytime, summer evening, winter daytime and winter evening) or two load segments (summer night, winter night, fall/spring daytime, fall/spring morning/evening, fall/spring night). For the groups that are divided into three load segments, the highest 2% of load represents the Peak, the next 49% of the load represents Near-Peak, and the lowest 49% of load in that load group represents Off-Peak. The groups divided into two load segments have a NearPeak segment (highest 50% of the load) and Off-Peak (lowest 50% of the load). Thus, the 8760 hourly system loads are divided into 22 load segments, which are then ranked by load magnitude.
After dividing the 1999 loads into the 22 hourly segments, they were applied to the estimated 2002-2006 monthly bus peak loads and energy values to create 22 load segments per year for each bus.
Next, the 22 load segments were aggregated into seven. The segment that included the highest hourly load for the year was designated the peak load period; its length was assigned the number of hours associated with the segment and its magnitude was assigned the highest hourly load in the segment. The segment with the next highest peak load was similarly designated the near-peak load period. The remaining 20 load segments were aggregated into five load periods representing various levels of intermediate and off-peak load.
System reserve margin -there is one system reserve margin constraint for each year 2002 -2006 in the study timeframe. These constraints specify a minimum threshold for installed generating capacity plus firm capacity purchases. The threshold is typically specified as the peak system load plus a given percentage above the system peak. A 15 percent reserve margin, typical for most utilities, is used for planning purposes. The sum over all lines in a loop of {power flow × normalized per unit impedance} for each line equals zero.
Generating unit limits -unit forced outage rates (FORs) are used to derate the capacity of each unit. In each load period (that a unit is in the system), the upper bound on the unit's production equals its derated capacity. • Each generating unit's production cost for each load period equals its ($/MWh) variable operating and maintenance (O&M) cost plus its $/MWh fuel cost, multiplied by the number of hours in the load period. A unit's heat rate (Btu/KWh) and the cost of fuel ($/mmBtu) determine its fuel cost. Variable O&M costs for the Mississippi generating units range from $8/MWh to $70/MWh and heat rates range from 10,500 Btu/kWh for a coal unit to 17,000 Btu/kWh for an oil unit.
• Unserved energy costs for each load period equal $1940/MWh multiplied by the number of hours in the load period.
• New capacity costs equal the sum of annualized investment costs through 2006, beginning in the year of the capacity addition. New capacity costs are assumed to be $450/kW. 36 The generating unit limits in the original EAEM are stochastic; deterministic limits were used in this study because the EAEM requires more plants than the number in the Mississippi system for its stochastic approximations. 
Model Configuration
The model is a linear programming model consisting of a cost minimization objective function and the following constraints: load balance for each node and upper bounds on generation for each generating unit. The model is a version of the EAEM, modified to fit the available data.
Constraints:
Load balance -these constraints state that the sum of generation from owned generating units plus generation purchased from other utilities and on the spot market equals the load in each load period for the study period 2002 -2006.
For this study, two load periods were defined for each year, for a total of 10 load periods. This number is less than the seven load periods/year for Mississippi because fewer data were available for the Florida system, and the available Florida data were at a more aggregate level.
The following load data were used to create the 10 load periods:
1) Monthly system peak demands for 2000, 39 2) Total system MWh energy for 2000, 40 37 Fuel prices were provided by the G&T co-operative. 38 The assumed cost of unserved energy is not the cost used by the utility. 
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Assuming that the peak load period is twelve percent of a year (1051 hours), the year 2000 annual peak load (1) and the system load factor (3) were used to estimate the year 2000 baseload value.
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The total system MWh (2) for 2000 was used as a check on the peak and baseload estimates and the number of hours in the peak and baseload load periods. For years 2002 -2006, the system peak load growth values (4) to the year 2000 peak load value were applied, and again used the system load factor to estimate baseload values for years 2002 -2006 .
Generating unit limits -the unit forced outage rates (FORs) are used to derate the capacity of each unit. 45 In each load period (that a unit is in the system), the upper bound on the unit's production equals its derated capacity. 46 FORs for the Florida system range from 3 -13 percent.
Objective function: Minimize the sum of all production costs in each load period from owned generation, purchased energy costs, and unserved energy costs.
• Each generating unit's production cost equals its ($/MWh) variable operating cost plus its $/MWh fuel cost, multiplied by the number of hours in the load period. A unit's heat rate (Btu/KWh) and the cost of fuel ($/mmBtu) determine its fuel cost. Variable O&M costs for the Florida generating units (for which variable O&M costs were available) range from $2/MWh to $13.4/MWh and heat rates range from 9825 Btu/kWh to 14,089 Btu/kWh
• Unserved energy costs for each load period equal $1940/MW multiplied by the number of hours in the load period.
• Purchased energy costs include a fixed $/kW capacity component that is estimated as a $/MWh variable adder, as well as variable operating and fuel costs. These adders range from $2.7/MWh to $12/MWh. 41 Ibid. Load factor is the ratio of average load to peak load. 42 Ibid. 43 Projected load data were provided by the distribution system. 44 The 1051 hour (twelve percent) peak load period is based on the twelve percent capacity factor of the system's peaking units (personal communication with Florida participant). 45 The Florida Public Service Commission provided forced outage rates. 46 As in the Mississippi study, derated generating unit limits were used because the system for which data were available did not have enough plants for the stochastic approximation. 
APPENDIX E STUDY CHALLENGES
Nearly 50 people in 24 different utilities, government agencies, cooperative associations, state and national reliability commissions, and state and local public service commissions were contacted to obtain the site-specific information needed for the analysis. Very few showed interest in participating because they claimed that their systems were robust and had no T&D congestions problems or that the study required data that are not publicly available.
The utilities that eventually agreed to participate were already considering DGs as part of their comprehensive approaches to load management and reliability or were facing constraints in their systems. In addition, the participants saw the study using EAEM as an opportunity to obtain additional analysis that could be factored into decision-making. Despite the fact that neither Florida nor Mississippi has begun to deregulate, due to competitive concerns all participants from both states requested confidentiality.
Data provided by the utilities and/or gathered from public service commissions included system maps, historic load data and projections, transmission line ratings and impedances, generating unit operating characteristics, fuel price assumptions, and power supply contract information. These data were used to create the systems evaluated in each state.
In general, generating unit operating characteristics and aggregate load data are publicly available, but detailed bus-level loads and transmission system characteristics are not. If loads are aggregated or the transmission system cannot be represented due to lack of data, transmission constraints that prevent least-cost dispatch of the generating units and cause marginal cost differences throughout the system cannot be included. In this case, the value of DG options would likely be underestimated.
